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ABSTRACT

Effectiveness of two enhanced oil recovery techniques on recovery of Soroosh oil field,
an lIranian offshore oil field is investigated and compared. The approach used is the
numerical reservoir simulation by means of a well-known numerical reservoir simulator,
Eclipse, and the real full field model. Water injection and immiscible gas injection
processes have been simulated and compared in terms of ultimate recovery factor. It was
found that natural production of oil by depletion and water drive from aquifer will result in
very low ultimate recovery factor. Simulation runs also showed that water flooding can be
efficient just for upper high permeability layers which contain lighter oil. Finally, from the
gas injection simulation runs, it was found that immiscible gas injection can enhance
ultimate recovery to 27% which is higher than that of water flooding. The decline rate of
production during gas injection was slower than that of water flooding, which.
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1. INTRODUCTION

The initial oil in place (IOP) for Iranian heavy oil reservoirs is estimated to be 85.77
MMMSTB. Also, Iran has the world’s second largest reserves of conventional crude oil of
133 MMMSTB. Therefore, it is necessary to undertake extensive study to find suitable
enhanced oil recovery methods to maximize the recovery of such these large amounts of
reserves. In general, the important deposits of heavy crude oil in Iran are limestone and
dolomite which range in age from Cretaceous to Eocene. Heavy oil traps are mainly
anticlinal structures, located in the southwest part of Iran (Zagros area). Some of
important Iran’s heavy oil reservoirs are as follows: Kuh-e-Mond, Zageh, Sousangerd,
Paydar, West Paydar, and Soroosh. In this paper, Soroosh oil field is taken into
consideration. Water injection and immiscible gas injection schemes are investigated and
compared in terms of recovery factor. In addition, the natural production of oil by pressure
depletion will be also taken into consideration as a basis for comparison.
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2. THEORY

2.1 Theory of Heavy Oil Production

As defined by the U.S. Geological Survey (USGS), heavy oil is a type of crude oil
characterized by an asphaltic, dense, viscous nature, and its asphaltene content. It also
contains impurities such as waxes and carbon residue that must be removed before
being refined. Although variously defined, the upper limit for heavy oil is 22 °API gravity
with a viscosity of 100 cp. In comparison with heavy oil, light or conventional oil flows
naturally and can be pumped without being heated or diluted. Light oil is characterized by
an API gravity of at least 22°, and extra-heavy oil has an API gravity of less than 10°.
Natural bitumen, also known as oil sands, shares the characteristics of heavy oil but is
even more dense and viscous with a viscosity greater than 10,000 cp. Heavy oils typically
are not recoverable in their natural state through a well or by ordinary production
methods. Most require heat or dilution to flow into a well or through a pipeline. Success
with heavy oil depends as much on understanding the fluid properties of the reservoir as
it does on knowing the geology of the reservoir itself. The reason is that the chemical
differences between heavy oil and conventional oil ultimately affect their viscosity.
Viscosity, in turn, influences every other aspect of a heavy oil development. Technology
that was developed for conventional oils does not address the issues of producing heavy
oil. Some heavy oil production can be accomplished via conventional methods, such as
vertical wells, pumps, and pressure maintenance, but these methods are considered
highly inefficient. Other technologies being used to recover heavy oil include, but are not
limited to: cold heavy oil production with sand (CHOPS), vapor extraction (VAPEX), and
thermal in-situ methods. The main oil-related challenges involved in production are
specific gravity and the viscosity of heavy oil. The identified volumes in place of heavy oil,
extra-heavy oil and bitumen are estimated at about 4800 MMMbblI, that is to say the
equivalent of the remaining resources in place of conventional oils discovered until now.
Few of those heavy crude resources have already been produced, only 1 to 2%. About
87% of those resources are represented by tar sands and bitumen in Canada, extra-
heavy oils in Venezuela and heavy oils in Russia Table 1. The resources in place in the
Orinoco Belt in Venezuela are estimated at 1200 MMMbbIl and those of bitumen in
Canada at about 1700 MMMbblI. In recent years, more and more information has been
available concerning the Former Soviet Union Countries. According to different sources, it
seems that 600 to 1300 MMMbbIl of heavy oil and bitumen resources are located in
Russia. Canada is very rich in heavy oil and bitumen resources with estimated IOP of 400
billion m3, twice of the total conventional oil reserves in the Middle East. In Alberta alone,
the oil sands resources are estimated to contain approximately 270 billion cubic meter of
bitumen mainly deposited in Athabasca, Peace River and Cold Lake areas. Recoverable
bitumen reserves in Alberta are estimated at 300 billion barrels (47.7 billion cubic
meters). Based on the latest statistical report by Oil and Gas Journal, reserves of the
world top countries and the world’s known heavy oil deposits are as Table 1. [1-7]

2.2 Description of Soroosh Qil Field

The Soroosh field, located 80 km from Kharg Island in the Northern Persian Gulf, was
initially developed in the 1970’s and produced 86 MMbbl until it was damaged in the Iran-
Iraq war. Oil production takes place by natural depletion of the reservoir and also water
drive from aquifer water influx. The field began redevelopment by Shell in 2000 under a
buy back contract. It will be developed by 10 ESP horizontal wells drilled into the crest of
the Burgan-B reservoir to produce a plateau of 100,000 bbl/d using depletion and aquifer
drive

The Soroosh Burgan-B is at a depth of 2200 m and the high quality (more than 4 darcies)
target channel sands are generally between 10 to 40 m thick. The reservoir has a 140 m
column of viscous oil of varying quality both a really and with depth, with the more
viscous oil found deeper in the reservoir: The distribution of the oils is not fully
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established, but over the upper 80 m the viscosity generally deteriorates from 15 cP to 50
cP and is a factor of 10 or more higher towards the WOC.

Past and currently planned development is of the Middle Cretaceous Burgan-B
Formation, the main reservoir interval, which ranges in thickness across the field from 52
to 73 m. The Burgan B target interval comprises well connected channel sands of 25-
29% porosity and permeability in the range of 5-11 Darcy.

Fluid properties in the reservoir vary with 20 °API degrading to 15 °API oil over the upper
50 m of the reservoir (23 cP to 70 cP), and heavy oil and tar observed towards the WOC
at 2272 m.

The Burgan Formation is underlain by the Basal Shale and low permeability carbonates
of the Shuaiba Formation and as a result only a flank aquifer is expected. Regional
correlations suggest that the Burgan-B Reservoir is very extensive and that a
volumetrically large flank aquifer exists.

It has been established from well tests that the oil quality varies through the field and it
appears that this is at least partially depth dependent. The higher viscosities have a major
impact on the ability of the oil to move through the reservoir and at the oil-water contact
they appear to act as a significant baffle suppressing aquifer support and influx. The
uncertainty currently assumed in the viscosity model represents the largest contributor to
the uncertainty range on the reserves. To illustrate the expected viscosity distribution with
depth a breakdown of STOIIP per depth interval is given in Table 2 from the Soroosh
Subsurface Development Review.

3. PRODUCTION STRATEGIES

Due to the very adverse mobility ratio between oil and water, the 10 well development
plan is currently predicted to achieve a further recovery of only around 500 million bbl
over 25 years, or a total recovery factor of only some 7% of the 8.5 billion bbl of STOIIP.
An option is a flank water injection scheme which would aim to replace void age at up to
180,000 bbl/d. The scheme was envisaged as a pressure maintenance mechanism rather
than to improving sweep efficiency. As such, it would increase recovery within a 25-year
period, but only by the order of some percentage points. In order to make a significant
improvement in the recovery, sweep efficiency must be improved. Sweep efficiency could
be improved by dense drilling of a pattern water flood, however the gross throughput of
such a scheme would need to be enormous to reach high recoveries. Gas Oil Gravity
Drainage (GOGD) may be a much more suitable mechanism to improve recovery in
Soroosh. A peculiarity of the Soroosh field which makes gas injection attractive is that the
oil is very under saturated with a bubble point pressure of around one fifth of the initial
pressure. In order for GOGD to be effective, the process must be occurring over a
reasonable column height with a high vertical permeability: this may be practicable in
Soroosh with its approximate 30m of highly permeable sands. A total number of 8 wells
are open to production.

The simulation was run using the full field model for 30 years with the same production
history and well completion data as before redevelopment program. The total oil

production was found to be 1.82><108 STB oil and gas production of 3.12><107 SCF. Based

on the initial oil in place of 2.8><109 STB, natural production will recover only 6.5% of the
initial oil in place after 30 more years.

3.1 Gas Injection Scenarios

The gas injection scheme was set up. A light gas (with 98.5% methane) was injected with
a total injection rate of 150 MMSCF/day. This injection rate is assumed according to the
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capacity of ordinary gas processing and compression plants. Since the average reservoir
pressure before gas injection was 3220 psia, the injection pressure must be higher, due
to the frictional pressure drops in the well column and through perforations.

We assume that the wells are completed in all layers. Additionally, we assume that the
injectivity of all gas injector wells is such that each one can inject 50 MMSCF/day gas.
The total production rate for all 16 wells was assumed to be maximum 120000 STB/day,
i.e., 7500 STB/day per well. Three gas injector wells were assumed in any case in
different configurations. The simulation model was run with the specified conditions (3
gas injection wells and 16 oil production wells) and gas injection scenario was assumed
to last 30 years.

At the end of 30 years of gas injection scenario, the field will produce 7.532><108 STB ail

and 8.72><1010 SCF of associated gas. Based on the estimated initial oil in place of 2.8
MMMSTB, the ultimate recovery factor will be approximately 27%.

3.2 Water Injection Scenarios

In case of water injection, some edge wells were set as water injectors and crestal wells
were put on production. Unfortunately, there are a few edge wells that can be good
candidates for water injection into aquifer or water flooding in upper layers.

We assumed that there is a water treatment plant with a capacity of at least 24000
STB/day for chemical treatment of seawater salts and compatibility purposes. We ignore
the formation damage of probable incompatibility of injection water with formation water.
Therefore, all injection wells are assumed to run with constant injectivity. Three water
injection wells are planned to inject 8000 STB/day per well. We assume that the wells are
completed in all layers. The total production rate for all 16 wells was assumed to be
maximum 90000 STB/day, i.e., 5625 STB/day per well. The water injection scenario was
let to last to continue for 30 years. At the end of 30 years of water injection scenario, the

field will produce 6.93><108 STB oil and 8.0><107 SCF of associated gas. Based on the
estimated initial oil in place of 2.8 MMMSTB, the ultimate recovery factor will be 24.7%.

4. RESULTS AND DISCUSSION

In this section the best cases of gas injection and water flooding are compared. Figures 1
to 7 compare oil production rate, total oil produced, water production rate, total water
produced, gas production rate, total gas produced, gas-oil ratio, water cut, and average
field pressures of best water injection and gas injection cases. Table 3 lists a comparison
of produced oil and recovery factor for all cases.

In Figure 1, oil production rates of water flooding and gas injection are compared. In gas
injection scenarios, field produces the oil with a rate of 120,000 STB/day, while in water
flooding scenario; it produces 90,000 STB/day. The starting rate in gas injection is higher,
therefore the plateau is very short and production rate declines. However, the decline rate
in gas injection is slower than water flooding. Almost in all times, the total oil flow rate of
the field is higher in case of gas injection. As a result, the cumulative oil production is
higher when gas injection is applied Figure 2. Figure 3 shows gas production rate for two
scenarios. Since the oil flow rate is higher in case of gas injection, the same trend is
expected for gas production rate. During gas injection, if the gas breakthroughs the
production wells, the flow rate of gas production will be much larger than rate of gas
production in water flooding. However, in this case gas breakthrough has not been
occurred.

Surprisingly, the rate of water production is higher in case of gas injection Figure 4. This
may be due to possible water coning as a result of higher flow rate and higher pressure
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drop in the near wellbore region. Natural water influx from the reservoir is a major drive
force in Soroosh field.

Figure 5 compares the gas-oil ratio for two cases. This confirms that the gas production in
case of gas injection scenario is exactly the associated gas which is produced with oil. In
other words, gas has not been breakthrough in gas injection scenario. Figure 6 illustrates
the water cut of produced liquid in two cases. The difference between the two water cut
curves is just 2-5%. This fact shows that higher production rate of water in gas injection
case is due to the higher rate of oil production. Additionally, since the water cut does not
increase sharply in case of water flooding, one can conclude that water has not
breakthrough in water flooding scenario.

Finally, Figure 7 displays average reservoir pressure is in two cases. In gas injection
scenario, the pressure decreases more rapidly than in water flooding. After 2800 days
from the start of water and/or gas injection, the pressure tends to increase slightly in case
of water injection and then decreases slowly at the end.

6. CONCLUSION

Natural production of oil by depletion and water drive from aquifer will result in very low
ultimate recovery factor due to relatively heavy to heavy oil in Soroosh Burgan-B
reservoir. The ultimate recovery factor will be around 6.5% after a production period of 30
years.

The variation in oil viscosity in Burgan-B reservoir is very large, ranging from 15 to 800
cP. Almost half of the initial reserve of this reservoir belongs to the bottom layer which
bears high viscosity heavy oil. Conventional production drives such as rock and fluid
expansion, water influx, and solution gas drive are not efficient in recovering this heavy
oil. Therefore special enhanced oil recovery methods should be applied in Soroosh field.
Water flooding can be efficient just for upper high permeability layers which contain
lighter oil. From simulation runs, it was found that water flooding can increase recovery
factor to 24.7% over a period of 30 years. With a starting oil rate of 90,000 STB/day, the
plateau remains longer than gas injection scenario and lower pressure drop occurs in the
reservoir, but the decline rate is slightly larger than that of gas injection. From the gas
injection simulation runs, it was found that immiscible gas injection can increase ultimate
recovery to 27% which is higher than that of water flooding. The decline rate of
production during gas injection was slower than that of water flooding, which results in
higher oil flow rate and ultimate recovery. In both cases, the injected fluid did not break
through the reservoir and was not produced in wells. This shows that both cases must be
investigated in a longer period of time to examine the final effect of injection/production
scenarios. In addition, both scenarios may be considered as pressure maintenance,
secondary oil recovery methods. The pressure drop was slower after fluid injection and
breakthrough did not occurred. There are two vertical shale barriers which divide the
reservoir into three parts and isolate three parts. These barriers are a deficiency for any
enhanced oil recovery process. They also necessitate larger number of wells to deplete
the reservoir.
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Table.1. World’s known heavy oil deposits.

Country Oil, MMMbbI

Canada 1860

Venezuela 1200

Former USSR 1200

USA 55

Iraq 34

Iran 85.77

Syria 14

China 10

Ecuador 7

Trinidad and Tobago 5

Columbia 3

Table.2. STOIIP distribution per depth interval.

(TVD m) Oil density (°API) Viscosity (cP) %of STOIIP
Top - 2150 21-20 14-18 5%
2150 - 2160 20-18 18-27 4%
2160 - 2170 18-16.5 27-35 5%
2170 - 2180 16.5-15.5 35-46 5%
2180 - 2190 15.5-14.7 46-68 6%
2190 - 2200 14.7-14 68-95 6%




A.Sanati et al. Int J Chem Pet Sci. 2015, 4(2), 1-10

2200 - 2210 14-13 95-172 7%
2210 - 2220 13-12 172-307 8%
2220 - 2230 12-10 307-859 9%
2230 - WOC <10 >859 46%
Table.3. Comparison of Different Scenarios.
Case Total oil Production Recovery Factor (%)
(MMSTB)
Before Development 86 3.1
Natural Production 182 6.5
Water Injection 693 24.7
Gas Injection 753 27
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